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a b s t r a c t

Tight sandstone gas reservoirs exhibit low gas abundance and extensive gas-bearing lithology, pre-
senting promising prospects for future exploration and development. However, their exploitation in the
Sichuan Basin is severely constrained by low recovery efficiency, high water saturation, and pronounced
retrograde condensation phenomena. In this study, we aim to analyze the complex fluid flow behavior
within these reservoirs to overcome these challenges. To achieve this, a comprehensive experimental
program is utilized, encompassing nuclear magnetic resonance, micro-computed tomography, core
flooding, and retrograde condensation tests. The analysis reveals that tight sandstone reservoirs feature
low porosity, low permeability, and poor pore connectivity, with pore structures predominantly
composed of nanometer-to 10-μm-size micropores. Pore size distributions in both Type I and Type II
reservoirs exhibit multimodal characteristics, rendering them highly sensitive to stress changes and
condensate-induced formation damage. Permeability demonstrates significant hysteresis effects during
cyclic changes in confining pressure. Precisely, after two complete cycles of increasing and decreasing
confining pressure, average permeability damage rates reach 52.08% and 46.1%, respectively. This in-
dicates damage levels ranging from moderate-weak to moderate-strong. In contrast, variations in pore
pressure exhibit minimal impact on permeability. Under irreducible water saturation conditions, the
average gas phase damage rate is 64%. Furthermore, initiating fluid flow within the reservoir requires a
specific threshold pressure. The average damage rate caused by retrograde condensation is 24.7%. This
experimental investigation elucidates the reservoir's pore-throat characteristics, the dynamics gov-
erning gas-water and gas-oil flow, and the damage patterns associated with retrograde condensation.
These insights provide critical foundational data for optimizing development strategies and designing
effective stimulation measures to achieve enhanced recovery.

© 2026 Chinese Petroleum Society. Publishing services by Elsevier B.V. on behalf of KeAi
Communications Co. Ltd. This is an open access article under the CC BY-NC-ND license (http://

creativecommons.org/licenses/by-nc-nd/4.0/).

1. Introduction

Tight sandstone gas reservoirs exhibit low abundance and
extensive gas-bearing lithology, presenting broad prospects for
exploration and development. However, the current production in
the Sichuan Basin is declining due to tight reservoir rock, low
porosity and permeability, high water content, and severe retro-
grade condensation, which greatly constrain the development and
production of the gas field. The gas reservoir has the following key
development characteristics (Gao et al., 2025; Jiang et al., 2023):

(1) Low natural production capacity: In general, gas wells require
hydraulic fracturing to achieve industrial production rates. (2) Low
overall production: The wells exhibit low cumulative gas produc-
tion and recoverable reserves. (3) Low production and recovery
rates: The gas production rate is typically less than 3%, and the
recovery rate is below 30%. (4) Short stable production period:
Production of gas wells declines rapidly initially (by 20%–40%) but
tends to stabilize later. The stable production period is typically
less than 3 years, with the field's stable output maintained by well
interspacing. (5) Long production cycle: There is a prolonged
period of low production and low-pressure extraction, often
exceeding 30 years.

The high water content and retrograde condensation features
of the gas reservoir lead to the following: (1) Increased start-up
pressure gradient: High bound water saturation occupies
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effective seepage channels, increasing the resistance to gas flow
and necessitating a higher start-up pressure gradient for extrac-
tion, resulting in additional energy consumption during the
extraction process. (2) Exacerbated permeability reduction: The
presence of reservoir water amplifies the rock's stress sensitivity,
meaning that as pore pressure drops during production, the
effective stress on the rock increases, causing pore throats to
constrict and exacerbate the reduction of gas phase permeability.
(3) Gas trapping and cut-off: Pore water can flow along high-
permeability pathways, driven by capillary forces (spontaneous
imbibition) into smaller pores, which can trap and cut off gas in the
pores, a phenomenon known as the Jamin effect or water-lock
effect. (4) Wellbore liquid accumulation: Increased water satura-
tion leads to problems such as water breakthrough and wellbore
liquid loading, which impedes efficient gas production and can
lead to a significant drop in productivity (Huang et al., 2023; Zhao
et al., 2021). (5) Condensate blockage: When reservoir pressure
falls below the dew point, retrograde condensation occurs within
the gas reservoir, causing the gradual formation of condensate oil.
The accumulating liquid increases flow resistance during the
extraction process and can plug small pores, thereby hindering
production (Tran et al., 2024).

Behrang et al. (2016) and Liu et al. (2023a, b) separately eval-
uated the impact of retrograde condensation in tight water-
bearing condensate gas reservoirs. While Behrang et al. (2016)
focused on a retrograde condensation damage evaluation experi-
ment, Liu et al. (2023a, b) performed a recovery factor evaluation
experiment. Their combined findings indicated that the presence
of condensate oil increases gas phase flow resistance and reduces
the degree of gas utilization. Simultaneously, higher condensate
oil content and pressure lead to greater damage caused by retro-
grade condensation. Therefore, in the early stages of development
of such gas reservoirs, the production pressure difference should
be reduced as much as possible (Zhang et al., 2023, 2025).

Many researchers combined digital and physical model
methods to investigate the seepage characteristics and the anti-
condensate damage in tight sandstone reservoirs (Kang et al.,
2022, 2023). Their findings suggested that for unfractured verti-
cal wells in the late development stage, the damage from water
locking and anti-condensate effects can be substantial, potentially
amounting to 80%, and that fracturing can significantly mitigate
the damage from both phenomena (Ajagbe et al., 2020; Huang
et al., 2022; Mohamadi-Baghmolaei et al., 2021; Zhang et al.,
2020). Observations from the Great Green tight gas reservoir
illustrate this damage clearly. A typical gas well in this field
initially had an unobstructed flow rate of 66 × 104 m3/d. After
condensation occurred, the unobstructed flow rate dropped from
23.2 × 104 m3/d to 15.6 × 104 m3/d, an average decrease of 32.8%
(Fig. 1a). The damage to the formation caused by condensate
recondensation is relatively significant. The gas phase relative
permeability decreases sharply as formation pressure drops and

the water-gas ratio increases (Fig. 1b). For instance, when the
formation pressure decreases from 35 MPa to 25 MPa, and the
production water-gas ratio increases from 1.0 m3/104 m3–2.8 m3/
104 m3, the gas phase relative permeability decreases by 70%. This
indicates that once the formation water production exceeds its
saturation condensate water content—that is, after the invasion of
liquid water into the formation, the productivity of the gas reser-
voir will rapidly decrease (Zahedizadeh et al., 2022, 2022, 2022).

Numerous studies have shown that water locking and retrograde
condensation damage can significantly reduce core permeability,
which in turn diminishes reservoir production (Kamel et al., 2022;
Li, 2022, 2023). As highlighted earlier, the target study area is
characterized by high water content, rapid production decline,
retrograde condensation issues, and low recovery rates, which
severely impede gas field development. Through this experimental
research, we aim to better understand the target reservoir's pore
throat characteristics, the dynamics of gas-water and gas-oil
seepage laws, and effective anti-condensate pollution measures.
This foundational knowledge can provide a solid basis for adjusting
current development plans, implementing production stimulation,
and transforming operational measures. It can also offer oil and gas
developers a more comprehensive and in-depth understanding of
the tight sandstones in the Sichuan Basin, as well as a thorough
grasp of the pore and seepage/flow characteristics of similar reser-
voirs, to guide practical oil and gas production strategies.

2. Geological setting

The target reservoir is located in the southern part of a gently
sloping structural belt within the central Sichuan Basin. It repre-
sents a transition zone between the gentle structural area of the
ancient Sichuan uplift and the high, steep structural area of
southeastern Sichuan. The general structural trend of the ground is
a large slope, or monocline, dipping consistently from the south-
east toward the northwest. The Lower Permian strata follow this
pattern, forming a monoclinic structure that dips in the same di-
rection. Against this large regional slope, a series of smaller, local
structural traps has developed, oriented mainly from south to
north. The Xujiahe Formation is a thick sequence—ranging from
500 to 600 m—composed of continental source clastic rock that
was deposited in alternating inland river and lake sediments. The
primary reservoir intervals are found within the second member
of the Xujiahe Formation. It is mainly composed of gray, medium-
grained to medium-fine-grained lithic feldspar sandstone, lithic
feldspar sandstone, and lithic quartz sandstone, which hold the
key deposits (Fig. 2).

3. Pore throat characteristics

Reservoir pore throat characteristics define both how much
fluid a reservoir can store (storage characteristics) and how easily

Fig. 1. Influence of gas-water ratio on gas phase relative permeability. (a) Variation of absolute open flow with pressure (b) Relationship between gas phase relative permeability
and different formation pressures and different production water-gas ratios.
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that fluid can move through the rock (seepage characteristics).
Understanding these characteristics is fundamental for evaluating
the reservoir's physical properties and is crucial for planning
production stimulation and transformation operations.

3.1. Analysis of cast thin sections

The reservoir in Member 2 of Xujiahe Formation is primarily
composed of superimposed underwater distributary channel sand
bodies, ranging in thickness from 70 to 100 m, and exhibits strong
rock heterogeneity. The dominant rock types are fine-to medium-
grained feldspar lithic sandstone and lithic feldspathic sandstone,
with a small amount of lithic quartz sandstone. The composition
breakdown is typically quartz (50%–78%), feldspar (6%–16% po-
tassium feldspar, followed by 1%–2% plagioclase), and debris

(14%–22%, primarily sedimentary and metamorphic rock frag-
ments). Interstitial material is mainly argillaceousmica, with some
calcite cementation (Fig. 3). Based on data collection and obser-
vation of thin sections, the predominant pore types are residual
primary intergranular pores, intergranular dissolved pores, and
intragranular dissolved pores. Mold pores are also present, with
occasional miscellaneous pores and micro-fractures (Fig. 3). The
reservoir quality metrics are as follows: effective porosity
(7.56%–12.39%), low permeability (0.135–6.09 mD, with an average
value of 0.388 mD), and high water saturation (32.50%–61.65%).

3.2. Rock nuclear magnetic resonance (NMR) analysis

The present study uses the principle of NMR to analyze rock
properties. First, the relaxation time of pore fluids is measured and

Fig. 2. Comprehensive reservoir columnar diagram of the study area.
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calculated. Then, a calibration relationship is established using
standard samples to determine the rock's porosity and pore size
distribution. We used the MRCoresHP20L NMR analyzer for this
experiment. To obtain the T2 cutoff value and nuclear magnetic
porosity, we measured the T2 spectra of core samples in two states:
dry and vacuum/pressurized water-saturated. Fig. 4 shows the one-
dimensional NMR T2 spectra obtained from these two samples.

The T2 spectrum of the water-saturated rock samples primarily
shows a bimodal distribution, indicating the development of both
small and large pores and strong heterogeneity. The two spectral
peaks are distributed within the 1–20 ms and 20–1000 ms ranges,
respectively. Based on these distributions, the samples were
categorized into three reservoir types: Class I reservoir rocks, Type
II reservoir rocks, and Type III reservoir rocks. Regarding Class I
reservoir rocks, sample T101-1(19–53) exhibits a similar propor-
tion of small and large pores, and sample T107-4(22–37) is
dominated by larger macropores. Regarding Type II reservoir
rocks, sample T107-3(9–55) has a relatively large proportion of
small pores compared to large ones. Regarding Type III reservoir
rocks, sample T110-66 shows a single-peak distribution, with
spectrum peaks concentrated mainly between 1 and 20 ms. The
pores are predominantly small. To verify the reliability of the nu-
clear magnetic porosity measurements and further analyze the
rock pore size distribution characteristics, supplementary tests
were conducted. These include the alcohol method porosity test
and the saturated water weighing porosity method. The porosity
results derived from the saturated water nuclear magnetic
experiment demonstrated the best correlation with the results
from the alcohol method (Table 1).

A comparison of the nuclear magnetic porosity and the alcohol
method porosity reveals a systematic relationship dependent on
pore size distribution. First, when small pores (relaxation time
1–20 ms) are dominant (i.e., they constitute a larger proportion of
total pores), the nuclear magnetic porosity is greater than the
alcohol method porosity. Second, when the proportion of small
pores (1–20 ms) and larger pores (20–1000 ms) is similar, the
nuclear magnetic porosity is close to the alcohol method porosity.
Third, when larger pores (20–1000 ms) are dominant (i.e., they are
more developed and constitute a larger proportion), the nuclear
magnetic porosity is smaller than the alcohol method porosity.
These differences stem frommethod-specific detection errors; the
injection (alcohol) method has a detection blind zone for small
pores, while the NMR method has a detection loss error for large
pores (Fig. 5).

The nuclear magnetic T2 spectrum relaxation time and pore
size are converted using an empirical coefficient for tight

sandstone reservoirs. In bothmagnetic fields, the T2 cutoff value is
generally greater than 3000 ms, and the overall transverse relax-
ation time T2 is as follows:

Fig. 3. Reservoir characteristics of Member 2 of Xujiahe Formation in the central Sichuan Basin.

Fig. 4. NMR T2 spectrum. (a) Sample T107-3(9/55); (b) Sample T101-1(19/53); (c)
Sample T107-4(22–37).
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T2 =
r

ρ2Fs
⇒r = CT2 (1)

Where ρ2 is the transverse surface relaxation rate (μm/ms); r is the
pore throat radius (μm); and Fs is the shape factor. The target area
is a tight sandstone reservoir. Using the empirical coefficient C for
this reservoir type, which is 20 nm/ms, the pore size is calculated
to obtain the pore size distribution of each rock in the target well
(Fig. 6).

The nuclear magnetic pore size distribution reveals distinct
characteristics among the samples, indicating high heterogeneity
across the reservoir. T110-66 is dominated by a single peak, with
62% of its pores mainly distributed between 20 and 400 nm (62%),
and very few pores larger than 1 μm; it is classified as a Type III
reservoir. T107-4(22–37) is dominated by large pores, with a pore
radius of 400 nm–10 μm; it is classified as a Type I reservoir. T101-
4(29–68) has a relatively large proportion of small pores, with a
pore radius of 20–400 nm; it is classified as a Type II reservoir.
Across the Type I and II reservoir rocks, pores ranging from 200 to
400 μmaccount for 32.8%–62.4% of the total pores, and larger pores
ranging from 400 to 10000 μm account for 22%–41% of the total
pores. This variability in pore size distribution among the samples
indicates that the reservoir is highly heterogeneous.

While the influence of pore size distribution on pore connec-
tivity is not absolute, a significant correlation often exists. Digital
rock physics technology facilitates an intuitive understanding of this
correlation (Fig. 7). In cores with a high proportion of small pores,
the pore structure is complex, characterized by short and narrow
throats. This leads to high fluid seepage resistance and a tendency
for liquid locking during oil and gas production and stimulation
operations, which can block the reservoir. In such cases, the design
of production strategies and stimulation measures profoundly im-
pacts production effectiveness. Particularly, large-scale acid frac-
turing paired with low-friction fracturing fluids is crucial for
enhancing production in these reservoirs. Conversely, cores with a
high proportion of large pores have a relatively simple pore struc-
ture with larger pores and throats, resulting in low fluid seepage
resistance and favorable oil and gas production outcomes. Stimu-
lation treatments for these reservoirs focus more on acidizing or
fracturing, and the required scale of fracturing is considerably
smaller than that for reservoirs dominated by small pores. Research
on pore size distribution is, therefore, essential for formulating and
optimizing appropriate production strategies and stimulation
measures for different reservoir types.

3.3. X-ray computed tomography (CT) analysis

X-ray CT scanning is a non-destructive, non-invasive three-
dimensional imaging technology. In recent years, it has been
increasingly used for studying the three-dimensional pore
structure of porous media. The resulting three-dimensional
digital rock images accurately reflect the internal microstruc-
ture of the rock. By applying specific image processing methods
(Fig. 8), researchers can quantify the characteristics of the rock's
internal pore space, offering a valuable alternative approach for
specialized rock analysis (Sadegh et al., 2019; Kalam et al.,
2019). After X-ray CT scanning, the three-dimensional pore
structure of the rock is reconstructed using the filtered back-
projection method. Noise elimination is then performed to
improve the accuracy of subsequent pore identification. Finally,
the rock pores are segmented using the threshold segmentation
method, followed by an analysis of pore connectivity. Some
representative results from both segmentation and connectivity
analyses are shown in Table 2.

Table 1
Comparison of data from three porosity measurement methods.

Sample T101-1(19/53) T101-4(29/68) T110-66 T107-3(9/55) T107-4(22/37) T105-2(12/57)

Saturated water nuclear magnetic porosity (%) 9.668 10.369 5.699 12.056 11.973 12.812
Saturated water weighing porosity (%) 8.929 9.845 4.545 11.535 11.510 11.938
Alcohol method porosity (%) 8.448 9.291 4.902 10.923 10.650 11.905

Fig. 5. Comparison between nuclear magnetic porosity and alcohol method porosity.

Fig. 6. NMR test pore size distribution. (a) Rock with small pore dominance; (b) rock
with balanced small and large pore distribution; (c) rock with large pore dominance.
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Overall, the rock sample exhibits a tortuosity range of
9.33–23.29 and a fractal dimension of 1.51–2.01. The pore structure
is characterized by few, small, and weakly connected pores, which
indicates low porosity and, consequently, low permeability. The
pore size distribution was then statistically calculated, and the
results are shown in Fig. 9. The micron pore size distribution range
of the sandstone in the Xu-2 Member is 62–200 μm, and the
porosity determined via micron CT analysis shows a good corre-
lation with the porosity measured by the gas expansion method
(Fig. 10). However, some sample properties vary. For instance, Well
T110 displays the poorest physical properties; its pore size range is
concentrated within 50–150 μm, the pore structure is complex,
and the tortuosity is high, at 23.29. These findings are consistent
with the nuclear magnetic test results. The micron CT resolution is

Fig. 7. Pore size distribution in three types of rock samples. (a) Rock with predominantly large pores; (b) rock with comparable proportions of large and small pores; (c) rock with
predominantly small pores.

Fig. 8. X-ray CT scanning proces.

Table 2
Rock pore segmentation and connectivity analysis results.

Rock sample Tortuosity Fractal dimension T101-1 pore structure T101-1 pore connectivity

T101-1 9.33 1.90

T110 23.29 1.51

T104 14.78 1.84

T101-3 6.90 2.01 The blue part indicates pores The red part indicates the area with larger pores
The green part indicates the area with smaller pores

Fig. 9. Pore size distribution range of each rock.
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26.53 μm, and the corresponding test porosity derived from this
method is generally less than 1%, which is 1–2 orders of magnitude
lower than the results obtained using the gas method. This in-
dicates that macropores larger than 60 μmdo not contribute much
to the total reservoir space. There is a strong negative
correlation between macropore space tortuosity and overall
porosity: the higher the porosity, the better the pore throat
connectivity.

Using water for seepage simulation can not only study the
connectivity of pores but also study the flow channels of rocks. As
shown in Fig. 11, the water flow velocity distribution highlights
fractures as the main flow channels in this type of core, which
connect previously isolated pores. Matrix pores, by contrast, pri-
marily serve as gas storage spaces, which is the fundamental
reason for the low permeability of rocks. Based on the collection
and arrangement of petrological, pore throat, and physical prop-
erty characteristics, the reservoir types are divided into three
categories (Table 3).

4. Fluid seepage characteristics

Mastering the seepage rules between gas, water and gas, and oil
is crucial for optimizing and adjusting gas field development
strategies to increase oil and gas production. The characteristics of
this fluid seepage are typically analyzed through experiments such
as gas-water relative permeability test, starting pressure gradient
test, confining pressure 2-L-two-drop permeability test, and
condensate oil pollution test.

4.1. Full-diameter rock water drive gas relative permeability test

The full-diameter rock water drive gas relative permeability
curve test is performed to determine the impact of the complex
pore structure of tight gas reservoirs on the two-phase water and
gas seepage capacity. This clarification is vital for accurately
determining and evaluating gas reservoir productivity. The relative
permeability curve is measured using a fully automatic unsteady-
state gas-water relative permeability curvemeasuring instrument,
following the unsteady-state method. The process involves a
constant pressure difference displacement experiment where the
inlet and outlet flow rates, pressure differences, and time are
recorded. The relative permeability curve is then obtained through
automatic history matching, and the relationship between
permeability and maximum gas phase permeability is summa-
rized (Figs. 12 and 13).

The co-permeability range of the sample is 41.43%–56.13%. The
irreducible water saturation is high, ranging from 32%–41%, and
the endpoint permeability is low, at 0.1–0.32 mD. These properties
indicate a low-permeability rock sample with small, poorly con-
nected pores. The initial water saturation is also relatively high, at
32%. The isotonic point of the gas and water phases is 60%, and the
isotonic permeability is 0.01–0.05 mD. This indicates that the pore
throat structure is complex, the pore throat size is small, and
permeability is highest in the gas phase. The point relative
permeability exhibits a high degree of correlation.

4.2. Determining the starting pressure gradient of gas in full-
diameter rock with bound water

This is performed to quantify the resistance that must be
overcome for gas flow (seepage) when an adsorption or hydration
film (irreducible water) lines the rock surface. This resistance
varies based on rock permeability as well as the irreducible water
saturation conditions. The findings will provide guidance for
optimizing water injection parameters during field development,
such as well spacing, flow rate, and pressure differential. The
experiment was conducted under an induced irreducible water
environment created by re-centrifuging saturated rock samples.
The starting pressure gradient was determined using the following
steps: (1) the gas flow rate through the rock sample was gradually
decreased, (2) the pressure difference at both ends of the rock was
measured at each flow rate, (3) the flow-pressure gradient
experimental curve was plotted from the collected data, and (4) a
fitting curve was extrapolated to find the intercept on the pressure
gradient axis. This intercept represents the “starting pressure,” and
the starting pressure was divided by the length of the rock sample
to calculate the “starting pressure gradient.” The results of the
starting pressure test are shown in Figs. 14 and 15.

The gas-phase starting pressure gradient under irreducible
water conditions is jointly affected by the rock sample's perme-
ability and its irreducible water saturation, and permeability and
irreducible water saturation exhibit a strong negative correlation.
The average damage rate of boundwater to gas phase permeability
is 64%. The calculation formula is detailed in Formula 2. The
threshold pressure gradient of Type III reservoirs
(0.275–0.279 MPa/cm) is significantly higher than that of Type II
reservoirs (0.225–0.232 MPa/cm). The better the porosity and
permeability conditions, the lower the threshold pressure
gradient. In terms of production recommendations for research
block based on gas test production results, a reasonable well
spacing is 500~1000 m, the average pressure in the middle of the
reservoir is approximately 30 MPa, and the bottom hole flowing
pressure is approximately 10 MPa.

Fig. 10. Relationship between CT porosity, tortuosity, and gas porosity.

Fig. 11. Distribution of water velocity in rocks.
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φper =

[
∑n

i=1

(Ksi �K) =K

] /

n (2)

Where φper is the average damage rate of boundwater to gas phase
permeability (%); n is the number of experiments in the same
group; K is the permeability of samples after drying (mD); and Ksi
is the rock permeability under different bound water conditions
(mD).

4.3. Two-round stress sensitivity analysis under varying confining
pressure

The experimental setup was designed to replicate actual
reservoir dynamics. A constant internal pressure was applied
while cyclically increasing and decreasing the confining pressure
twice, simulating the complete cycle of reservoir formation and
exploitation. The changes in full-diameter rock permeability,
porosity, and pore volume compressibility coefficient were
monitored during and after the entire process. The experimental
results are shown in Fig. 16.

When the internal pressure remains constant, an increase in
confining pressure causes the rock sample's permeability to
decrease first rapidly, then slowly. The effective stress range of
10~12 MPa acts as a key dividing point for this behavior. Across the
four processes (two instances of increasing and two of decreasing
pressure), plastic damage is induced in the reservoir, resulting in a
lag in permeability recovery. The resulting permeability reduction
curve shows two different stages, each characterized by a different
slope. In the first stage (rapid decrease), the reservoir rock sample
is compressed, and initial deformation occurs in the larger pores,
easy-to-close throats, and micro-fractures. The closure of these
significant spaces results in a sharp, rapid decline in overall
permeability. In the second stage (slow decrease), after the effec-
tive stress reaches the 10–12 MPa threshold, the more resistant,
smaller pores and difficult-to-close throats undergo deformation.
The overall compression rate of the rock sample diminishes,
causing the permeability to decrease gradually until it nearly
stagnates. Based on these mechanical responses, the tested res-
ervoirs (Type II, Type III, and Type III) can be categorized into three
types: (1) relatively high porosity and permeability-sensitive res-
ervoirs; (2) tight, low-sensitive reservoirs; and (3) fracture-
containing, highly sensitive reservoirs. Relatively high porosity
and permeability-sensitive reservoirs feature well-developed
intragranular dissolved pores, intergranular dissolved pores, and
primary intergranular pores. They are highly sensitive to loading
confining pressure. Tight, low-sensitive reservoirs are character-
ized by compacted particles, a high cementation degree, and

Table 3
Reservoir type classification.

Reservoir Physical property parameters Pore characteristic parameters

Porosity
%

Permeability
mD

Average
porosity
%

Average permeability
mD

Displacement pressure
MPa

Median pressure
MPa

Maximum pore
radius
μm

Median
radius
μm

Type I ≥10 ≥0.2 12.5 0.6 <1.2 <7 >0.6 >0.1
Type II 8–10 0.08–0.2 8.11 0.05 0.7–1.8 6–12 0.4–1 0.07–0.15
Type III 4–8 0.05–0.1 6.71 0.02 1–3 8–16 0.2–0.6 0.04–0.1

Fig. 12. Relative permeability curve.

Fig. 13. Relationship between permeability and maximum gas phase permeability.

Fig. 14. Gas flow rate and pressure relationship curve. (a) Type II rock; (b) Type III rock.
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development of only residual intergranular and intragranular
dissolved pores. These exhibit weak sensitivity to loading
confining pressure. The rock particles in fracture-containing,
highly sensitive reservoirs are severely fractured and prone to
breaking and penetration under low-pressure loading. In a rela-
tively high permeability state, the permeability rapidly decreases
as the confining pressure increases. When the pressure exceeds
15 MPa, the fractures close, leading to a significant shift in the
permeability change rate. For high porosity and permeability-
sensitive reservoirs, the initial permeability change rate is
approximately 20%, and the final change rate is approximately 40%,
with the curve flattening significantly at pressures exceeding
20 MPa. For tight, low-sensitive reservoirs, the initial permeability
change rate is approximately 10%, and the final change rate is
approximately 20%, which tends to flatten out at pressures greater
than 15 MPa. The variation in the change rate among samples
during the second pressure cycle (increasing and decreasing) is
less pronounced compared to the first cycle. Plastic damage pri-
marily occurs in the first loading process (Fig. 17).

4.4. Two-round stress sensitivity analysis under varying internal
pressure

The experimental setup was designed to replicate the actual
reservoir dynamics. A constant confining pressure was applied,

and changes in formation pressure during the two key pha-
ses—reservoir formation and reservoir exploitation—were simu-
lated by cycling the internal pressure twice (increasing and
decreasing). The process involved two distinct cycles. In the first
pressure cycle, the internal pressure was gradually decreased ac-
cording to a set gradient while the confining pressure remained
fixed at a value representative of the formation pressure. The
second pressure cycle followed the same methodology of the
variable internal pressure and constant confining pressure
permeability stress sensitivity experiment. This stage aimed to
simulate the stress-sensitive permeability characteristics during
the actual production and storage of oil. The experiment measured
the changes in the full-diameter rock permeability throughout
both rounds of pressure cycling (increase and decrease) and after
the test concluded. The experimental results are shown in Fig. 18.

In the first pressure increase, when the internal pressure
reached 25 MPa, the permeability increased by 3.27–15.1 times
(average 11.15). The multiplier exhibited a slight increasing ten-
dency as the permeability increased. During the subsequent
pressure reduction, when the internal pressure dropped to 1 MPa,
the permeability retention was relatively stable, remaining at a
level of 31.9%–94.17% (average 78.13%).

In the second pressure increase, when the internal pressure
reached 25 MPa, the permeability increased by 7.26–15.16 times
(average 9.59), which was 1.56 times less than the first increase. As
the permeability increased, the increase factor tended to rise. After

Fig. 15. Relationship between irreducible water saturation, starting pressure gradient,
and permeability. (a) Relationship between irreducible water saturation and perme-
ability; (b) Relationship between starting pressure gradient and permeability; (c)
Relationship between irreducible water saturation and starting pressure gradient.

Fig. 16. Permeability variations with increasing confining pressure. (a) Sample T105-
2(12/57); (b) Sample T104-3(3/63); (c) Sample T110-2(1/55).
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the subsequent pressure reduction, when the internal pressure
dropped to 1 MPa, the permeability maintenance level was
27.16–81.04% (average 53.9%). The permeability loss rate was
moderately weak and had no obvious correlation with the
permeability value itself. The greater the porosity and the more
developed natural fractures, the stronger the hysteresis phenom-
enon of permeability reduction. Furthermore, internal pressure
has a weak effect on permeability in Type I and Type II reservoirs
when the pressure is greater than 15 MPa. For Type III reservoirs,
this weak effect occurs when the pressure is greater than 12 MPa.

4.5. Condensate oil contamination experiment near the wellbore
zone

During the production of a condensate gas reservoir, the
reservoir pressure continuously decreases. When the pressure
drops below the dew point pressure, condensate oil gradually
forms. This condensate oil increases flow resistance and changes
the fluid dynamics in or near the wellbore from a one-way flow to
a gas-oil two-phase flow, which severely impacts the production
capacity of the gas reservoir. The experiment was designed to
reflect the relationship between the reduction of formation

pressure and the degree of damage caused by condensate oil,
providing data for productivity prediction and formation pressure
maintenance strategies. This was achieved by testing the ability of
natural gas with varying oil saturations to flow through rock
samples. As the pressure within the rock decreases, retrograde
condensation occurs, and the continuous precipitation of
condensate oil leads to a decrease in gas phase permeability. The
results showed a direct correlation between pressure drop and
permeability damage: when the formation pressure decreased to
25MPa, the gas phase permeability damage ratewas 6.23%–13.78%
(average 9.6%), and when the formation pressure decreased to
5 MPa, the damage rate was 19.85%–29.10% (average 24.7%)
(Figs. 19 and 20).

In the retrograde condensation experiment, the decrease in the
rock's internal pressure causes the production of condensate oil
and results in damage to the gas phase permeability. While the
extent of this permeability damage can be quantified, the oil
saturation degree corresponding to each pressure point cannot be
measured. To address this, the relationship between condensate-
containing oil saturation and gas phase permeability damage
rate was established. Using the steady-state method and the
principle of conservation of matter, a correlation curve between
the gas phase permeability of rock samples and the saturation of
condensate-containing oil was obtained. This relationship allowed

Fig. 17. Permeability change rate after two cycles of increasing and decreasing
confining pressure.

Fig. 18. Permeability change rate after two cycles of increasing and reducing internal pressure. (a)Sample T105-1(47/54); (b) Sample T104-3(47/63); (c) Sample T101-1(18/53); (d)
Sample T110-2(54/55).

Fig. 19. The retrograde condensation damage of Sample T103-1(9/67).
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for the inference of oil saturation levels following condensate oil
contamination, based on measured gas phase permeability
(Fig. 21). The results indicate that gas phase permeability de-
creases sharply as the initial oil saturation increases. The initial gas
phase permeability values correspond to a condensate oil satura-
tion range of 2.15%–3.24%. The greater the rock permeability, the
smaller the resulting damage rate when condensate oil contami-
nation occurs.

4.6. Condensate oil pollution control methods

4.6.1. Wetting inversion method
The super-amphiphobic nano-displacement agent injected into

the formation comes into contact with the bound oil, which sub-
stantially reduces the oil's interfacial tension. This tension reduc-
tion causes the oil to detach and peel off from the rock or bound
water surfaces, thereby allowing it to flow and significantly
increasing the rock's permeability. For instance, injecting the agent
into sample T103-1 (16/67) increased its gas phase permeability
from 0.00372 mD under bound water conditions to 0.0207 mD.
This represents a gas phase permeability recovery of 77.2%
(Table 4).

4.6.2. Re-evaporation of condensate oil
When the pressure in the core drops to 5 MPa, inject nitrogen

until the initial pressure reaches 32 MPa. Allow the core to stand
for 12 h before testing the nitrogen permeability. After this soaking
period, the effective gas phase permeability of the core rose from
0.046mD to 0.0537mD (Table 5). This increase suggests that using
gas injection, followed by well shut-in (soaking), to restore near-
wellbore pressure improves energy efficiency and mitigates anti-
condensate pollution.

In addition to thewetting inversionmethod and re-evaporation
of condensate oil, retrograde condensation and water lock damage
can generally be mitigated through a combination of production
optimization techniques, specifically optimizing the mining sys-
tem, implementing water-controlled fracturing, and performing
reservoir transformation. For optimizing the mining system, the

production pressure difference can be adjusted; it can be reduced
to control water invasion or increased to enhance gas liquid-
carrying capacity. The overall mining system can be optimized to
appropriately increase the recovery rate. Water-controlled frac-
turing can improve the physical properties of the reservoir, reduce
the degree of water locking, and connect gas seepage channels,
which can significantly increase the recovery.

5. Discussion

The reservoir in the Sichuan Basin is experiencing a rapid
decline in production, and this could be attributed to two reasons.
First is poor physical properties; the rock has low permeability due
to small pore radii and poor connectivity. Second is water damage;
the gradual water encroachment into the gas-producing layer
causes severe damage from retrograde condensation and water
locking. To maintain or increase stable output, in addition to the
wetting inversion method, re-evaporation of condensed oil, opti-
mizedmining system, water control fracturing, and othermethods
discussed above, a comprehensive water control strategy needs to
be formulated. This strategy is generally summarized by three
phases: early waterproofing, mid-term water control, and late-
stage water control. In the early stage (waterproofing and pre-
vention), the focus is on preventing early water production and
extending the water-free gas production period. This is achieved
by deepening the understanding of fluid distribution and
employing numerical simulation technology to predict develop-
ment outcomes based on different well types, well patterns, pro-
duction allocations, and production rates. In the mid-term stage,
the goal is to manage existing water encroachment, suppress the
non-uniform advancement of water fronts, and reduce the harm
caused by uneven water invasion. This is achieved by dynamically
predicting water invasion, optimizing single-well production
allocation, improving the development well network, and opti-
mizing drainage gas production technology. In the last stage, due
to insufficient formation energy, the focus shifts to maximizing
remaining reserves. Here, fine gas reservoir description technology
is utilized to accurately track the pattern of water invasion and the
distribution of remaining reserves. Through the optimization of
water control plans, drainage processes, and wellhead pressuri-
zation, we can alleviate the impact of water seals and water locks,
reduce the abandonment pressure of gas reservoirs, maximize the
use of remaining reserves, and improve the overall gas reservoir
recovery rate.

Reasonable well layout and effective drainage gas production
are the basic requirements for a successful water control strategy.
Effective gas reservoir water control technology hinges on three
key strategies: paying close attention to the impacts of linkage,
strict adherence to regulatory rules/guidelines, and proactive
capitalization on opportunities. High-quality, comprehensive
production dynamic monitoring is essential to ensure the ex-
pected results are guaranteed. This requires establishing a dy-
namic monitoring well network in a timely manner, strengthening
monitoring efforts (focusing on pressure, fluid, and production
logging), and carrying out effective dynamic analysis and quanti-
tative forecasting of water intrusion patterns to provide a scientific
basis for governance decisions and measures. Furthermore,
implementing an integrated water control approach requires
continuous adjustment and dynamic optimization across five key
areas: (1) Dynamic optimization of water control methods such as
waterproofing, water control, and drainage based on the specific
development stage and water invasion conditions of the gas
reservoir. (2) Dynamic optimization of the timing of interventions
based on the stage and degree of water invasion, such as before
water production begins, after initial signs appear, or after

Fig. 20. The retrograde condensation damage of Sample T103-1(9/67).

Fig. 21. Gas phase permeability of rocks under different oil saturation conditions.
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significant water breakthrough. (3) Dynamic optimization of
strategies for different well types according to their specific needs
and characteristics, such as water-producing wells, water-flooded
wells, and water-zone wells. (4) Dynamic optimization of the
scales of gas production, drainage, and reinjection according to the
requirements for achieving a balanced water control scale. (5)
Dynamic optimization of water control technology using mature,
efficient, and new technology trials tailored to specific well needs.
Establish an integrated management model for drainage gas pro-
duction to address water problems scientifically and efficiently
and to increase overall gas field production: “Liquid loading
assessment - liquid accumulation volumemeasurement - drainage
process optimization - process effect analysis - process system
optimization - overall process evaluation.”

6. Conclusions

The analysis of the tight sandstone reservoirs involved a multi-
faceted approach to comprehensively understand their charac-
teristics and fluid flow mechanisms. The pore-throat characteris-
tics were investigated using cast thin sections, NMR, and micro-CT
techniques. Next, the fluid seepage characteristics were analyzed
through pressure sensitivity tests, threshold pressure measure-
ments, relative permeability experiments, and condensate oil
contamination assessments. By combining the results from nu-
merical simulation and these physical experiments, the study
provided a comprehensive and in-depth understanding of the pore
characteristics and seepage mechanisms within the tight sand-
stones. Furthermore, digital core technology was employed to
analyze the relationship between pore structure and fluid seepage
characteristics. This study offers valuable insights for researchers
investigating similar tight sandstone reservoirs. It also helps oil
and gas developers optimize their production strategies and
enhance well stimulation measures.

The main types of pores observed within the reservoir rock
were residual primary intergranular pores, intergranular dissolu-
tion pores, intragranular dissolution pores, mold pores, and occa-
sional mixed base pores and microcracks. The effective porosity of
the reservoir was 7.56%–12.39%. It exhibited low permeability of
0.135–6.09 mD, with an average permeability value of 0.388 mD.
The reservoir was mainly composed of nanometer-to 10-μm-sized
micropores. The pore size distribution varied by reservoir type;
Type I and Type II reservoirs exhibited a multi-peak characteristic
and were highly sensitive to stress changes and condensate oil
contamination, while Type III reservoirs had a smaller, single-peak
pore size distribution.

During cycles of increasing and decreasing confining and in-
ternal pressures, the permeability testing showed a strong recov-
ery hysteresis. The rock exhibited strong stress sensitivity to
confining pressure, but weak sensitivity to internal pressure.
Water-gas flow tests showed a co-permeability range of
41.43%–56.13% and high irreducible water saturation at 32%–41%.
The average gas phase damage rate in the irreducible water state
was 64%. The reservoir flow exhibited a required starting pressure
gradient, which was approximately 0.0014–0.00189 MPa/cm for
the Type II reservoirs and 0.00255–0.00344 MPa/cm for Type III
reservoirs.

After retrograde condensation occurs, the resulting condensate
oil is trappedwithin the rock pore throats, significantly reducing gas
phase permeability. The average damage rate is 24.7%, correspond-
ing to the condensate oil saturation of 2.3%–7.5%. Gas field operators
can mitigate this damage and manage water issues through several
strategies. These include optimizing the mining system and opera-
tional methods, injecting wettability reversal agents to alter the
rock's surface properties, supplement formation energy through
condensate reverse evaporation, and transform reservoirs using
water-controlled fracturing techniques. A comprehensive, life-cycle
water control strategy—that is, earlywaterproofing,mid-termwater
management, and late-stage control—is essential for stabilizing and
increase gas field production. Establish an integrated management
model for drainage gas production to address water problems
scientifically and efficiently and increase overall gas field produc-
tion: “Liquid loading assessment - liquid accumulation volume
measurement - drainage process optimization - process effect
analysis - process system optimization - overall process evaluation.”
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Table 4
Comparison of permeability before and after injection of a super-amphiphobic nano-displacement agent.

Gas permeability (mD) 0.0268

Gas permeability under bound oil conditions (mD) 0.0037
Gas permeability after injection of super amphiphobic nano-displacement agent (mD) 0.0207
Gas permeability recovery (%) 77.2

Table 5
Permeability changes in the T104-1(44/53) rock sample during condensate oil reverse evaporation method.

Pressure (MPa) Gas velocity (ml/min) Pressure difference (MPa) Permeability (mD)

Retrograde condensation phase of pressure failure 32 38.51 0.12 0.058
29.6 34.63 0.08 0.056
25 37.25 0.14 0.054
15 31.92 0.08 0.052
12 30.41 0.09 0.048
5 30.19 0.11 0.046

Pressure retention recovery 5 36.36 0.13 0.054
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